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Abstract 
This report evaluates the effectiveness of low-salinity waterflooding in the Minnelusa Formation in the Powder River Basin 
of Wyoming.  The Minnelusa sandstone play constitutes a resource of over one-hundred fields with cumulative production of 
more than 600,000,000 barrels of oil. We conducted initial laboratory screening using Minnelusa oil and rock with synthetic 
brine, supplemented with geochemical models of low-salinity injection, to evaluate the potential for low-salinity 
waterflooding in this formation.  The laboratory experiments showed little or no incremental recovery from low-salinity 
injection.  Calculation and comparison of recovery factors for 51 Minnelusa reservoirs were used to further evaluate the 
effectiveness of low-salinity waterfloods at the field scale.  There was no increase in recovery for fields that used low salinity 
injection (26) compared to fields with mixed or formation water injection (25).  Since some Minnelusa fields have relatively 
fresh formation water, the amount of dilution was quantified using the salinity ratio (SR), defined as the ratio of salinity of 
injected water to salinity of formation water.  This analysis showed that while some fields actually had little or any salinity 
reduction (13), the remaining fields with significant dilution (38) still showed no correlation between dilution and recovery 
factor.  Since some postulated mechanisms involve change in wettability, injection of low-salinity water may produce later 
water breakthrough.  Analysis of water breakthrough timing and watercut evolution for 23 fields found no significant 
difference between fields with low-salinity injection and mixed-water or saline injection.   
 
Introduction 
Low-salinity waterflooding has been widely studied during the last decade by various research groups as one of the most 
inexpensive methods of enhanced oil recovery (EOR).  The level of investigation into low-salinity waterflooding has sharply 
increased in the past three years as more research groups have become involved (Webb et al. 2008, Alotaibi and Nasr_el_Din 
2009, Austad et al. 2010, Boussour et al. 2009, Cissokho et al. 2009, Kumar et al. 2010, Lager et al. 2008, Patil et al. 2008, 
Seccombe et al. 2008, Pu et al. 2010, Rivet et al. 2010, RezaeiDoust et al. 2010, Gamage and Thyne 2011).  Laboratory 
studies with synthetic formation water, reservoir and outcrop rocks and reservoir oil have been conducted with injected water 
diluted by a factor ranging from 2.5 to 100-fold compared to formation water.  Many studies have reported increases in 
recovery of 2-30% original-oil-in-place (OOIP) varying with brine and crude oil compositions and rock types used.  
However, while both laboratory and field studies have had successful results, there are also examples in which low-salinity 
flooding does not create additional production (Sharma and Filoco 2000, Rivet et al 2010, Skrettingland et al. 2010).   
 
The fundamental observations of increased recovery from low-salinity flooding in the laboratory were made by Martin 
(1959) and Bernard (1967).  This work was extended and brought to wider attention by various workers over the last 15 years 
(Jadhunanadan and Morrow 1995, Zhou et al. 1995a, Zhou et al. 1995b, Tang and Morrow 1997, Yildiz et al. 1999, Morrow 
et al. 1998, Tang and Morrow 1999a, Tang and Morrow 1999b, Maas et al. 2001, Robertson et al. 2003, Lohardo et al. 2008, 
Morrow et al. 2008, Pu et al. 2008, Kumar et al. 2010, Pu et al. 2010).  The mechanism(s) is still a matter of debate (Austad 
et al. 2010, Kumar et al. 2010, Lee et al. 2010, RezaeiDoust et al. 2010, Sorbie 2010), but continued work shows diluting the 
salinity of injected water can often produce increased oil recovery.  However, there are few field studies (Webb et al. 2004, 
McGuire et al. 2005, Robertson 2007, Seccombe et al. 2008, Lager et al. 2008, Seccombe et al. 2010, Skrettingland et al. 
2010) and scaling laboratory results to the field is always challenging.   
 
Currently, laboratory tests are used to screen candidate reservoirs followed by single well tracer tests before implementation 
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of pilot testing.  The low-salinity field studies to date are confined to either single fields or several adjacent fields.  For 
instance, McGuire et al. (2005) reported that single well chemical tracer tests performed in Alaska produced favorable results 
in sandstone reservoirs with increases between 6 to 12% OOIP.  This project was expanded to interwell field experiments in 
the same interval with low-salinity injection that yielded improved recovery (Lager et al. 2008, Seccombe et al. 2010).  There 
are also cases where enhanced recovery has not been observed.  Skrettingland et al. (2010) reported on a series of lab and 
single well tracer tests in the North Sea that showed no appreciable increase in recovery with low-salinity injection.  Finally, 
there are cases where low-salinity water was used for injection without anticipating an EOR effect.  An example is the study 
of Vledder et al. (2010) that reported on field scale application of low-salinity injection.  In this case the authors made a case 
for increased production attributed the effect to changes in wettability based on observations of dual-step watercut during 
production and a log-inject-log test.   
 
Many Minnelusa fields were flooded with lower salinity water based on low lifting and conditioning costs (Towler and 
Griffith 1998) with no expectation of improved production as these fields were waterflooded before low-salinity injection 
was recognized as an EOR technique.  Robinson (2007, 2009) analyzed recovery at 0.3 pore volumes of injection from three 
Minnelusa fields and found that early performance was related to salinity ratio (ratio of initial to injected salinity).  Towler 
and Griffith (1998) used data production data from 20 Minnelusa fields, 19 of which were flooded with low-salinity water.  
They concluded that the fields flooded with low-salinity water had higher recoveries compared to the single normal 
waterflood, but cautioned they lacked sufficient control to perform a meaningful statistical analysis.  Recently, Pu et al. 
(2010) tested Minnelusa core and oil to evaluate the EOR potential for low-salinity waterflooding.  The authors found that for 
the single coreflood they performed, low-salinity injection increased production by 5.8% OOIP compared to saline injection.  
This previous work in the Minnelusa system suggests the formation is a good candidate for low-salinity water injection.  
Therefore, we used Minnelusa oil, rock and synthetic brine for a series of coreflood experiments and performed detailed 
analysis of production data from 51 Minnelusa fields anticipating that we would observe positive effects of low-salnity 
injection. 
 
Description of Equipment and Processes 
Crude oils from two Minnelusa fields, Raven Creek and Gibbs, were used.  The Raven Creek reservoir bottomhole 
temperature is about 75 C while Gibbs is about 68 C.  The two oils cover the range of oil gravities for many Minnelusa 
fields.  Crude oil properties are listed in Table 1.  Crude oil was centrifuged at 6000 rpm for 2 hours and filtered to remove 
water and sediments and vacuumed for 4 hours to remove the light ends.  This process can increase water wetness in the 
system benefiting the low-salinity effect (Tang and Morrow 1997).  Crude oil was stored in amber colored bottles in the dark 
to avoid photochemical dissociation of the crude oil components.  Minnelusa core plugs were drilled from a Donkey Creek 
Field whole core, cleaned by soxhelet extraction for a week and dried in an oven at 100°C for 48 hours.  Air permeability was 
measured (confining pressure, 500 psi).  The petrophysical properties of the core plugs are listed in Table 2.  Core plugs were 
stored in a dry desiccator.  Mineralogic compositions were determined by XRD and thin section.  The core plugs are quartz-
rich sandstones with minor amounts of anhydrite and dolomite (Fig. 1).  Clay content is low (<2%), mostly illite (Fig. 2).  
Synthetic brine representing average Minnelusa formation water composition was made from ACS grade chemicals and 
distilled water, then vacuumed for two hours to remove dissolved gas before the experiments.  Brine formulations are listed 
in Table 3.   
 
Both single and two phase experiments were performed.  The single phase experiments provide the baseline to evaluate the 
two phase experiments.  All core plugs were aged with the synthetic brine (MNB) at room temperature for 7 days.  Porosity 
of the core plugs was calculated by subtracting dry weight of the core from the weight of the brine saturated core.  Next, the 
core plug was mounted in a Hassler core holder and synthetic brine (2-3 PV) was injected to establish a constant pressure 
drop across the core, then different flow rates (0.1, 0.2, 0.3 and 0.4 ml/min) were applied and the pressure across the core 
used to calculate the brine permeability (Kb).  Continuous pressure measurements were made with Validyne transducer 
connected to a computer with Labview software.  Next, the cores were flooded with the crude oil (5 PV) to establish the 
initial water saturation (Swi).  Volume of brine displaced by the oil was used to calculate the original oil in place (OOIP) and 
initial water saturation (Swi).  Oil permeability was measured at the Swi by using the same method used to measure the brine 
permeability.  Core plugs were removed from the core holder and aged in an aging cell for 10 days (Tang and Morrow 1997).  
After aging, core plugs were re-mounted in a Hassler core holder and flooded with fresh crude oil for about 5 PV (core was 
flooded in the same direction used to establish Swi.   
 

In the single phase experiment, the core plug was flooded with Minnelusa brine (MNB) at 0.2 ml/min for more than 20 pore 
volumes (PV).  The core plug was then flooded with low-salinity brine (1%MNB) for another 10 PV at 0.2 ml/min.  In 
tertiary mode experiments, the oil-saturated core plug was flooded with MNB at 0.2ml/min to reach residual saturation and 
then flooded with low-salinity brine until no more oil was produced.  In the secondary mode experiments, the core plug was 
flooded directly with low-salinity brine (0.2ml/min) after preparation.  During the experiments, the oil production was 
measured at set time intervals.  Effluent brine was collected as 8 ml samples.  Conductivity and pH were measured on all 
samples and chemical analyses were performed on selected samples.  Geochemical modeling was performed using 
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Geochemist’s Workbench, which has been used previously for modeling low-salinity waterflooding (McGuire et al. 2005).  
The model was used in the 1-D reactive-transport configuration with the kinetic option for the three major minerals present in 
the Minnelusa (quartz, anhydrite and dolomite).  The model also includes a cation exchange surface for which Ca++ and Na+ 
are exchangable. 
 
Waterflood application date and the source of injection water were taken from theWyoming Oil and Gas Conservation 
Commission (WOGCC) public records.  For some fields this data included formation water chemistry, oil gravity and 
production histories.  In addition, the USGS and WOGCC databases were queried for Minnelusa, Lance and Fox Hills 
Formations water chemistry.  The samples selected were either drill stem tests (DST) or produced water for samples that had 
API well number and charge balance values of <±10%.  Sample temperatures were calculated based on the perforated 
interval and the geothermal gradient derived from WOGCC DST data.  When there were multiple samples from a single well, 
preference was given to production over DST samples and the earliest (pre-waterflood) production sample over later 
production samples.  Recovery factors were calculated for fields in which oil and water production, total pore volume and 
OOIP were reported (Towler and Griffith 1990, Hochanadel et al. 1990, Mack and Duvall 1990).   
 
Presentation of Data and Results 

Laboratory Experiments - Single Phase Experiment  

The core plug was prepared as described in the procedures section and aged and flooded at 60 C.  The core plug was flooded 
sequentially with approximately 25 pore volumes of high salinity brine followed by a similar amount of low-salinity brine to 
represent tertiary mode application (Fig. 3).  Pressure across the core plug increased rapidly at the start of the high salinity 
brine flood and then decreased during the entire high salinity brine flood.  The abrupt pressure change coincident with change 
in salinity in Fig. 3 is an experimental artifact and not related to salinity of injected water.  Low-salinity brine injection 
resulted in continued pressure decline along a similar slope compared to the high salinity brine flood.  The single phase 
experiments show that the initial pH value of about 7.8 changed after injection of low-salinity brine to about 8.  The change 
in pH and brine salinity, as measured by conductivity, takes place over about 2 pore volumes.  The simultaneous change of 
pH and brine salinity indicates that pH is controlled by water-rock reactions.  Fines were not observed during high salinity or 
low-salinity brine floods and the lack of increased pressure with low-salinity injection shows the salinity shock did not 
generate mobile fines that reduced permeability. 
 

Laboratory Experiments - Two-Phase Experiments - Tertiary Mode  
Gibbs and Raven Creek crude oils were used in the tertiary mode experiments.  Cores were flooded sequentially with 
approximately 25 pore volumes of high salinity brine followed by a similar amount of low-salinity brine to represent tertiary 
mode application.  Oil recovery, pressure drop, pH and the conductivity of the effluents were measured during the floods.  
Chemical analyses of effluent were performed for experiments B and C and are discussed in the geochemical modeling 
section.  Figs. 4 and 5 show that the oil recovery, pressure drop, pH and the conductivity data measured during the tertiary 
mode experiments with Gibbs and Raven Creek crude oil, respectively.  During the low-salinity brine injection very little to 
no oil recovery was observed.  The pH increase during the low-salinity brine injection was very similar to that of the single 
phase experiment.  Conductivity of the brine collected in the low-salinity flood is slightly higher than that of low-salinity 
brine.  This is assumed to be due to dissolution of minerals from the Minnelusa cores, primarily anhydrite. 
 

Table 4 shows the summary of all the experiments including the secondary mode experiments not shown.  The Minnelusa 
experiments produced total recovery between 46 and 68% OOIP.  The range of recovery values is not unreasonable given the 
heterogeneity of this reservoir rock (Hochanadel et al. 1990).  These values are similar to the range observed in field recovery 
values (discussed below).  Secondary mode injection (not shown) generally produces more total oil (average = 64% OOIP) 
than the tertiary mode experiments (average = 48% OOP), but the wide range of recovery for the two tertiary mode 
experiments makes this conclusion tentative.  The incremental recovery using heavier Minnelusa oil (Gibbs) was very low 
(1.2% OOIP), while no incremental recovery was observed in the experiment using the lighter Minnelusa oil (Raven Creek).  
There was no fines production observed during any of the experiments.  Fines migration has been proposed as a mechanism 
for the low-salinity effect (Tang and Morrow 1999a, Pu et al. 2010).  The paucity of clay in the Minnelusa formation and lack 
of mobile fines is consistent with little or no incremental production observed.    
 

Geochemical Modeling 

Geochemical models of water-rock interaction offer some insight into the low-salinity process McGuire et al. 2005, Jerauld et 
al. 2006).  The dilution in the Minnelusa may be inhibited by the presence of anhydrite in the reservoir.  Anhydrite is a highly 
soluble salt and injection of low-salinity water is anticipated to cause dissolution raising the salinity of the injected water and 
lowering the dilution factor.  Therefore, the increase in conductivity observed in the single phase experiment and change in 
pH upon injection of low-salinity water were analyzed further using thermodynamic equilibrium models.   
 
The model was calibrated by altering the dissolution rates from initial values (Palandri and Kharaka 2004) for the minerals 
observed in thin section.  The calibration was made to match effluent chemistry from experiment A, the single-phase 
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Minnelusa waterflood conducted in tertiary mode (Fig. 6).  The calibrated kinetic values, mineral abundance and cation 
exchange capacity are listed in Table 5.  Fig. 7 shows the measured concentrations for dissolved Na, Cl, Ca and SO4 together 
with the predicted concentrations (solid line).  These four solutes comprise 95+% of the solutes in the Minnelusa brine.  
Chloride can be considered essentially conservative in this brine-oil-rock system.  Fig. 7 shows the predicted and actual TDS 
(salinity).  The agreement is very good and the model was accepted.   
 
The geochemical simulations show that the most important water-rock reaction influencing water chemistry is the dissolution 
of anhydrite (CaSO4).  The injected water is undersaturated with respect to anhydrite and the subsequent dissolution will 
increase the salinity of injected water from the Fox Hills and Lance Formations.  To explore the amount of salinity increase 
field scale simulations were run based on the North Timber Creek field (Table 5).  The 2-D simulation was made using the 
calibrated model values for reaction rates and cation exchange surfaces.  The formation water and injection water chemistry 
was taken from the North Timber Creek field data.  This field had very saline formation water (136,000 mg/L) and was 
injected with very fresh water water (766 mg/L).  Using the calibrated model parameters, injection of 28,000 gallons of low-
salinity water per day (average value for 1985-91 injection rate) for two years was simulated.  The results are shown in Fig. 

8, which shows the change in TDS during the 2 years of injection.   
 
The TDS of the formation water initially decreases rapidly over the first 75 days of injection, but then as anhydrite dissolves 
the salinity rebounds and stabilizes at about 4000 mg/L.  It would take many years of injection to dissolve all the anhydrite in 
the single well node.  Even if that anhydrite was eventually dissolved, dissolution of all the anhydrite in the field would 
require hundreds of years, so the salinity will remain buffered by dissolution over the operational life of the field.  Based on 
the results of geochemical modeling it seems unlikely that the salinity in the field will decline below about 4000 mg/L.  The 
results also suggest that calculation of dilution based on formation andinjection chemistry may underestimate the degree of 
dilution if only mixing is considered.   
 

Analysis of Field Data 

In Wyoming, the Pennsylvanian-Permian age quartz-rich sandstones of the Minnelusa Formation have a high degree of 
geologic similarity between reservoirs.  The Minnelusa production is mostly from numerous small fields (<10MMBO OOIP) 
with water cuts above 90% located in the northeastern portion of the Powder River Basin.  Most fields have less than 10 
wells with oil gravities ranging from 20 to 40 API.  Early data showed the average recovery factor was 28.4% OOIP under 
waterflood (Basko and Mulholland 1976).  By 2008 continued waterflooding had increased average recovery to over 50% 
OOIP.  Primary production is small since there is little gas in Minnelusa reservoirs.  Most oil production occurs under 
waterflood in the first 0.5 pore volume of fluid production will the oil cut falling rapidly to low values (Fig. 9).  The 
Minnelusa formation water has highly variable salinity, but formation water is generally much more saline than the shallower 
source of injection water (Lance and Fox Hills Formations).  Wyoming Oil and Gas Conservation Commission (WOGCC) 
records include waterflood application date and the source of the injection water.  Using this data, fields currently producing 
were provisionally classified as saline (waterflooded with formation water), mixed (combination of formation and low-
salinity water) and low-salinity (injection water from the Lance or Fox Hills formations).  Based on this classification, the 
130 currently producing fields were classified as low-salinity (55), mixed salinity (52) and saline (23).   
 
Detailed formation water chemistry was compiled from the USGS and WOGCC databases.  The search produced 518 
Minnelusa and 95 Lance/Fox Hills water chemistry samples from existing fields and wildcat wells.  This dataset was reduced 
to a single sample per location by choosing the oldest production or DST sample for each API number.  This produced a total 
of 374 Minnelusa data points that were contoured for salinity in order to provide a basis for estimating salinity for fields 
without salinity data (Fig. 10).  The salinity of Minnelusa formation water ranges from 1134 to 261,982 ppm.  The 
distribution of salinity is strongly dependent on location with the lower salinity water found in the northeast portion of the 
basin and increasing salinity to the southeastern and deeper portions of the formation.  The Minnelusa formation water is 
composed primarily of Na, Cl, Ca and SO4 for the higher total dissolved solids (TDS) and lower TDS dominated by Ca and 
SO4.  The lower salinity has been attributed to dilution of the connate saline brine by invasion of meteoric water from the 
Black Hills to the east.  The Fox Hills and Lance formation water chemistry showed little spatial variation, a limited range of 
salinity (300 to 6000 ppm) of NaHCO3 chemistry with average total dissolved solids (TDS) of 2200 ppm.   
 
In order to evaluate the impact of low-salinity waterflooding, we calculated the recovery factor for 51 fields.  Fields with 
recovery factors less than 30% and greater than 80% were considered questionable and so removed from further analysis.  
The fields and relevant data are listed in Table 6.  The 51 Minnelusa fields have a wide range of oil gravity, OOIP, initial oil 
saturation and net pay, all factors that may influence recovery.  Analysis of variation in recovery factor as a function of API 
gravity, OOIP, initial saturation, net pay, number of wells, permeability, porosity, well spacing, pore volumes flooded, 
duration of flooding, and depth showed no correlation to recovery for fields with either low salinity or saline waterfloods 
(Thyne et al. 2009).  The data were insufficient to test conformance or geological heterogeneity across the fields as factors.   
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Preliminary analysis was conducted by comparing the average recovery factors of various groups of fields (Table 7).  All 
fields have at least one pore volume of fluid production.  The 51 fields include cases of low-salinity and regular flooding with 
and without polymer treatment.  Thirty-one of the 51 fields had polymer injection for relatively short periods of application 
(up to 1 year).  These fields usually had lower API gravity oil and polymer treatments were designed to produce a more 
favorable mobility ratio (Surkalo and Pitts 1986, Hochanadel et al. 1990, Brady et al. 1998).  Fig. 11 shows the distribution 
of recovery factors for the fields that experienced a chemical treatment and those that did not.  The data show there is a 
slightly higher mean value for fields that had chemical injection (53.4% versus 50.9% OOIP), but the difference is not 
significant given the standard deviations for each group.  Therefore, the two groups of fields (polymer treated and no-
polymer waterfloods) are combined for purposes of further evaluation.   
 
The average recovery for 51 fields is 52.4% OOIP, fields with low salinity injection had average recovery of 52.2%OOIP 
versus 52.6% OOIP for fields with saline injection (saline + mixed classes).  The data can be further evaluated by breaking 
the fields into other groupings.  For instance, the data from 20 fields without polymer treatment show no difference between 
fields with low-salinity injection (50.8%) compared to fields with saline injection (51.4%).  The difference in average 
recovery factor between fields that had polymer treatment and low salinity injection (54.7%) compared to fields with polymer 
and saline injection (52.9%) is also very small.  Given the uncertainty in the calculation of recovery factors (discussed in 
more detail below), differences of several percent are not considered significant.  It appears that regardless of what groups of 
fields are considered there is no significant difference in recovery factors between fields with low salinity injection and those 
with saline brine injection. 
 
The laboratory and field work to date examined many oil-brine-rock systems over a range of dilution factors.  While no 
minimum amount of dilution has been established for increased oil production, the experimental data to date show recovery 
can be increased with as little as 2.5-fold dilution (Pu et al. 2010) and that increasing dilution increases incremental 
production (Alotaibi and Nasr-El-Din 2010, Loahardjo et al. 2007, Yousef et al. 2010).  We used the salinity ratio to quantify 
the degree of dilution and account for the Minnelusa fields with formation water salinity too low to have significant dilution 
from Lance and Fox Hills water injection.  The salinity ratio is defined as salinity of injection water divided by salinity of 
formation water (Robertson 2007).  For calculation purposes, fields classified as mixtures assumed injection water salinity 
was a 50:50 mixture of low-salinity and formation water.  In some cases the low-salinity and formation water chemistry was 
known and used to calculate the salinity ratio.  If the low-salinity water chemistry was not known, the average TDS of the 
Lance and Fox Hills water analyses (2200 mg/L) was used.  These results are plotted in Fig. 12 for 51 fields (Table 7).  The 
data include fields that were waterflooded with formation water (salinity ratio = 1), fields waterflooded with a mixture of 
low-salinity and formation water (salinity ratio between 0.3and 0.7) and fields waterflooded with low-salinity water (salinity 
ratio between 0.006 and 0.2).  The range of recovery factors is almost exactly the same for all three groups and the data show 
no correlation between degree of dilution and recovery.  Since the laboratory and field data show incremental recovery at 
salinity ratios as high as 0.4, it appears there are other factors in the Minnelusa reservoirs that make low-salinity injection 
ineffective.  As discussed above, the potential error in calculating dilution without accounting for anhydrite dissolution is 
only a factor of 2.  This is not considered significant since the previous laboratory work has shown incremental oil production 
at salinity ratios of as high as 0.4. 
 
The calculated recovery factors are based on the reported OOIP, reservoir pore volume and current production data.  All three 
values have some uncertainty.  The largest uncertainty is in the reported OOIP and reservoir pore volumes, which are taken 
from WOGCC records of unitization hearings.  The values are based on material balance or volumetric calculations, which 
have inherent uncertainties.  In addition, these hearings are typically held early in the development of a field and may 
represent lower than actual values if later development expands the extent of the field (Schmoker and Klett 2000).  The result 
is that recovery factors based on OOIP and field pore volumes reported during unitization hearings may be too high.  While 
this study excluded recovery values above 80%, some uncertainty in the calculated recovery factors remains.  Therefore, we 
used metrics independent of recovery factor to futher evaluate low-salinity performance.   
 
The metrics chosen were the timing of water breakthrough and pattern of water-cut with production.  As noted by Robertson 
(2007), early production was more rapid with low-salinity injection in 3 Minnelusa fields.  To compare different fields, 
cumulative production by year was normalized by dividing yearly cumulative by 2008 cumulative.  This analysis was 
restricted to fields with complete production histories (19 fields).  Fig. 13 shows a typical plot.  We chose the break point (A) 
that represents water breakthrough in terms of normalized production as the measure of performance.  If low-salinity 
injection produces more oil by increasing oil mobility, we anticipate the breakthrough points would have a higher value 
compared to fields with formation water injection.  Table 8 lists the breakthrough points for fields with low-salinity injection 
(8) and those with mixed or formation water injection (11).  Fig. 14 shows the normalized cumulative production versus 
salinity ratio.  The data show that there is no increase in the timing of water breakthrough for fields with low-salinity 
injection compared to those with mixed or saline injection.  Inspection of the 19 water-cut curves (not shown) showed the 
same patterns for change in water-cut with production for fields with low-salinity injection and fields with saline injection.  
Nor did we observe dual-step water-cut profiles associated with wettability changes from low-salinity injection (Vledder et 
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al. 2010). 
 
The analysis of field data, laboratory experiments and geochemical modeling provide insight into the effectiveness of low-
salinity injection on oil production in the Minnelusa Formation of Wyoming.  Previous work on low-salinity injection in the 
Minnelusa Formation included evaluation of three fields (Robertson 2007), 20 fields (Towler and Griffith 1998) and a single 
laboratory core flood.  This work has added five more core floods, geochemical modeling constrained by the core flood 
experiments and an expanded analysis of recovery factors for 51 fields.  The laboratory screening showed little incremental 
production.  Analysis of field performance histories using several metrics, including one that was independent of recovery 
factors, found no indication that low-salinity injection produced more oil during operations in the Minnelusa fields.   
 
Conclusions 
Previous laboratory and field work in the Minnelusa Formation suggested these reservoirs were good potential candidates for 
low-salinity injection.  We followed the standard procedure of laboratory tests to screen the Minnelusa Formation.  Our 
laboratory results showed initial recovery of 46-68%, with little incremental recovery (about 1% for Gibbs oil) suggesting 
low potential for this EOR method.  Generally, laboratory floods show higher recovery for any EOR technique (CO2, 
chemical, etc.) than the field application.  This was the case on average for the experiments using Minnelusa core.  The range 
in total recovery in the laboratory experiments was 46.2 to 68.2 % (average = 57.2%), while field results ranged from 32 to 
80% with an average of 53% (not including the 10 fields with less than 30%).   
 
The many Minnelusa fields injected with low salinity water during the past thirty years provided a large dataset to compare to 
the screening results.  While the large range of laboratory recovery was mirrored by the large range in field recoveries, the 
field data supported the results from lab screening; that there is no significant increase in production associated with the low–
salinity injection.  The analysis of the field data included several approaches including comparing calculated dilution factors 
(salnity ratio) to recovery factors.  There was no correlation with dilution and recovery.  The production data did not show 
any increase in early production for the low-salinity fields, nor did we observe dual-step water-cuts that have been previously 
reported.   
 
It is possible the high degree of variability in recovery factors between fields (30 to 70%) may have been obscured any 
increased production from low-salinity injection, but the lack of laboratory response is consistent with our interpretation of 
the production data.  The lack of incremental production may be due to the lack of mobile clay fines.  We note that 
experiments with the same oil and water using Berea Sandstone, which does have mobile fines, did produce incremental 
production (Gamage and Thyne 2011).  These conclusions are applicable for this brine-oil-rock system only.  Other reservoir 
systems in Wyoming may be better suited for low-salinity injection.    
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Tables 
 

Table 1. Crude oil properties. 
Oil Density API Viscosity (cp) S. 

(%) 
A. 

(%) 
R. 

(%) 
Asph. 
(%) 

TBN TAN 

Raven Creek 0.8578 33.5 8.0 80.2 15.8 2.6 1.4 0.92 0.074 

Gibbs 0.8834 28.7 11.5 61.5 23.4 3.2 10.4 --- --- 

S = saturates, A = aromatics, R = resins, Asph. = Asphaltenes, TBN = total base number, 
TAN = total acid number 

 
Table 2. Core properties. 

Name Length (cm) Diameter (cm) Permeability 
(mD) 

Porosity (%) PV (ml) 

A 7.695 3.775 1.74 7.44 6.40 

B 7.664 3.787 12.02 11.17 9.64 

C 7.624 3.779 4.18 9.15 7.82 

D 7.667 3.766 43.49 13.85 11.83 

E 7.637 3.781 10.51 6.74  5.779 

 
Table 3. Brine composition. 

Compound Formation Brine (g/l) Low Salinity Brine 
(mg/l) 

NaCl 29.803 298.03 

CaCl2 2.106 21.06 

Na2SO4 5.903 59.03 

MgSO4 0.841 8.41 

NaN3 0.100                               1.00 

TDS 38753 387.53  

 
Table 4. Summary of experimental results. 

Core Type Oil Kb (mD) Swi Ro Rot RT 

A  SP N/A 0.1981 N/A N/A N/A N/A 

B TP/TM RC 2.78 30.50 46.23 0 46.23 

C TP/SM RC 1.0218 11.76 68.15 N/A 68.15 

D TP/TM GBS 7.9004 28.98 49.40 1.20 50.60 

E TP/SM GBS  1.136 30.50 61.54 N/A 61.54 

RC= Raven Creek, GBS = Gibbs, SP= single phase, TP = two phase, TM = tertiary mode, SM = secondary 
mode, Kb = brine permeability, Swi = initial water saturation, Ro = recovery from regular WF, Rot = recovery 
from low-salinity injection, RT = total recovery, all recoveries in % OOIP 

 
Table 5.  Parameters used for calibrated model from core plug A. 

Minerals Volume (%) K calibrated 

Surface 
Area 

(cm
2
/g) CEC (eq) 

Quartz 82 1.00E-14 400   

Anhydrite 4 5.00E-11 150   

Dolomite-ord 5 1.00E-10 400   

Cation exchange       6.00E-05 
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Table 6.  List of fields used in this study with accompanying data. 

Field Discovery 
WF 

permit API 
WF 
type 

Inj. 
Water 

Inj. 
TDS 

FW 
TDS 

OOIP 
(bbls) PV (bbls) 

Data 
Source 

CANDY 
DRAW 1985 1992 25 P 1   42,732 6,991,000 10,775,000 

 
A 

DEADMAN 
CREEK 1973 2001 23 

 
P 1   19,500 5,871,000 8,754,000 

 
A 
 

HAMM 1967 1984 20 
 

P 1   81,000 13,547,000 18,590,000 
 

A 
POWNALL 
RANCH 1960 2001 25 

 
P 1 746 18,582 5,270,000 6,201,000 

 
A 

ROZET 
WEST 1967 1984 22 

 
P 1   86,728 22,689,000 29,430,000 

 
B 

SIMPSON 
RANCH 1971 1979 20 

 
P 1   9,920 1,825,000 2,513,000 

 
B 

STEWART 
EAST 1980 1982 21 

 
P 1   81,000 2,009,000 3,313,000 

 
B 

SWARTZ 
DRAW 1981 1987 23 

 
P 1   11,475 4,423,000 7,066,000 

 
A 

TIMBER 
CREEK N. 1978 1982 21 

 
P 1 760 136,313 4,582,000 7,807,000 

 
A 

ASH 1987 1992 20 
 

P 2   67,382 2,170,000 2,568,047 
 

C 

DEER FLY 1984 1987 26 
 

P 2   19,748 2,961,000 4,457,000 
 

A 

EDSEL 1981 1984 21 
 

P 2   18,450 8,673,000 12,886,000 
 

A 
RAINBOW 
RANCH N. 1973 1990 28 

 
P 2 340 50,000 8,130,000 12,428,000 

 
A 

SHARP 1975 1990 26 
 

P 2   73,223 2,180,000 3,789,000 
 

B 

STEWART 1965 1977 22.5 
 

P 2   86,691 42,250,000 67,883,000 
 

B 
WAGON 
SPOKE 1972 1998 28 

 
P 2   56,000 6,095,000 8,282,000 

 
A 

ALPHA 1987 1989 23.8 
 

P 3 4234 4,637 11,449,000 23,183,687 
 

C 

BIG MAC 1985 #N/A 22 
 

P 3   38,000 2,646,000 3,970,000 
 

A 
DILLINGER 
RANCH 1964 1979 36 

 
P 3   121,424 35,500,000 51,055,000 

 
B 

GLO  1984 1984 20 
 

P 3   81,000 2,075,000 4,073,000 
 

A 

GLO NORTH 1985 1984 22 
 

P 3   16,600 4,528,000 6,084,000 
 

A 
 

KIEHL 1972 1984 21 
 

P 3   11,146 9,042,000 15,364,000 
 

A 
KIEHL 
WEST 1985 1982 24 

 
P 3   5,730 1,519,000 2,079,000 

 
A 

KUEHNE 
RANCH 1965 2005 23 

 
P 3   50,161 9,250,000 14,725,000 

 
A 

KUEHNE 
RANCH SE 1967 2005 23 

 
P 3   69,384 9,468,000 13,721,000 

 
A 

LILY 1985 1969 21 
 

P 3   5,570 5,205,000 6,974,000 
 

A 
LONE 
CEDAR 1985 2001 26 

 
P 3   105,000 7,724,000 9,034,000 

 
A 

OK 1973 1981 30 
 

P 3   7,960 6,300,000 8,565,000 
 

A 
RIGHT A 
WAY 1982 1994 20 

 
P 3   131,170 2,094,000 4,176,000 

 
A 

THOLSON 1969 1982 23 
 

P 3   150,000 9,566,000 13,392,000 
 

A 

VICTOR 1985 1980 21 
 

P 3   10,000 3,167,000 4,453,000 
 

A 
 P = polymer, WF = waterflood, 1 = low-salinity, 2 = mixed, 3 = saline 

Sources, A= Hochanadel et al., B= Mack and Duvall, C = Towler and Griffith 
Values in red are based on interpolation from map.  Timber Creek North field is listed as Spring in  
cited reference. 
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Table 7.  Average value for recovery factor for Minnelusa Fields. 

Category %OOIP2008 

n 

All fields 52.4 51 

Low Sal  52.2 25 

Saline 52.6 26 

  

 

All WF (no polymer) 50.9 20 

Saline WF 51.4 4 

Low sal WF 50.8 16 

     

All polymer 53.4 31 

Saline polymer 52.9 
22 

Low sal polymer 54.7 
9 

 
Table 8.  Water breakthrough for normalized production. 

Field  Inj Water Type Salinity Ratio 
Norm Cum 

break RF 

Candy Draw 1 0.049 0.25 59.5 

Hawk Point 1 0.025 0.44 49.5 

Moran 1 0.005 0.1 37.3 

Simpson Ranch 1 0.212 0.25 70.1 

Spring Hole 1 0.015 0.25 55 

Swartz Draw 1 0.183 0.1 43.5 

Timber Cr. N. 1 0.016 0.3 53.7 

Widge  1 0.014 0.2 32 

Ash 2 0.516 0.5 44.2 

Deer Fly 2 0.553 0.05 41.7 

Indian Tree  2 0.513 0.25 55 

Big Mac  3 1 0.2 40.5 

Glo N 3 1 0.6 57.9 

Kiehl W 3 1 0.6 69.7 

Lily 3 1 0.18 69.9 

Lone Cedar 3 1 0.2 46.6 

Prairie Cr. S. 3 1 0.5 61.4 

Right A Way 3 1 0.1 62.1 

Victor  3 1 0.3 66.6 
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Figures 

 
Fig. 1.  XRD spectra of whole rock Minnelusa sample from core material showing the 
presence of quartz, anhydrite and dolomite. 

 

 
Fig. 2.  XRD spectra of clay separate fraction from the Minnelusa core sample 
showing the clay is composed of illite. 
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(a)                                                                          (b) 
Fig. 3. Pressure drop, conductivity and the pH variation during a single phase 
experiment, tertiary mode experiment (core flooded with high salinity brine followed 
with low salinity brine) with core plug A.  

 

 
(a)                                                                          (b) 
Fig. 4. Oil recovery, pressure drop, conductivity and the pH variation during two 
phase, tertiary mode experiment (core flooded with high salinity brine followed by 
low salinity brine) with core plug D and Gibbs oil.  
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(a)                                                                          (b) 
Fig. 5. Oil recovery, pressure drop, conductivity and the pH variation during two 
phase, tertiary mode experiment ( core flooded with high salinity brine followed by 
low salinity brine) with core plug B and Raven Creek oil.  

 

 
Fig. 6.  Comparison of predicted (solid line) and measured values for Na, Cl, Ca 
and SO4 from the single-phase using Minnelusa brine and core plug A. 

 

 
Fig. 7.  Comparison of predicted (solid line) and measured values for TDS from the 
single-phase experiment using Minnelusa brine and core plug A. 
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Fig. 8.  Map view of distribution of predicted TDS from low-salinity brine injection 
for two years into the North Timber Creek field.  Assumptions described in text. 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

44000

44000
44

00
0

84000

84000

84
00

0

124000

1
2
4
0
0
0

124000

12
40

00

124000

Dissolved solids (mg/kg)

4000 1.4e54e4100 m

100 m

Year 2



16  SPE 147410 

 
Fig. 9.  Typical production curve for a Minnelusa field showing recovery factor and 
oil cut versus pore volumes (of produced fluid).  Most of the oil production takes 
place over the first 0.5 pore volume.  

 

 
Fig. 10.  Map of locations of selected Minnelusa oil fields with salinity contours in 
color.  Map was used to estimate salinity for those fields lacking water chemistry 
analyses.  Cartography by B. Reyes. 
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Fig. 11.  Histogram of the recovery factors for 51 fields with polymer injection and 
fields with waterflooding for fields with greater than 30% and less than 80% 
recovery. 

 
 

 
Fig 12.  Dilution factor (salinity ratio) versus recovery factor for 51 Minnelusa 
fields.  Dilution factor of 1 is for fields with no dilution (injection of formation 
water), shaded area highlights fields with dilution factors less than 0.1 (10-fold 
dilution). 

 
 



18  SPE 147410 

 
 

 
Fig. 13. Typical curves of normalized cumulative oil production versus oil cut (%) 
for Minnelusa reservoirs.  Point A shows the water breakthrough for each curve. 
 
 

 
Fig. 14. Normalized Cumulative Production at Water Breakthrough for 19 fields. 

 


